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xiii

As in the first revision, the authors have tried to retain the flavor and format of the original text. The 
text contains many of the field examples that made the original text and the second edition so popular.

The third edition features an introduction to key terms in reservoir engineering. This intro-
duction has been designed to aid those without prior exposure to petroleum engineering to quickly 
become familiar with the concepts and vocabulary used throughout the book and in industry. In ad-
dition, a more extensive glossary and index has been included. The text has been updated to reflect 
modern industrial practice, with major revisions occurring in the sections regarding gas condensate 
reservoirs, waterflooding, and enhanced oil recovery. The history matching examples throughout 
the text and culminating in the final chapter have been revised, using Microsoft Excel with VBA as 
the primary computational tool.

As an introduction to the material balance approach of Applied Petroleum Reservoir Engi-
neering, Third Edition, the purpose of the book has been and continues to be to prepare engineering 
students and practitioners to understand and work in petroleum reservoir engineering. The book 
begins with an introduction to key terms and an introduction to the history of reservoir engineering. 
The material balance approach to reservoir engineering is covered in detail and is applied in turn to 
each of four types of reservoirs. The latter half of the book covers the principles of fluid flow, wa-
ter influx, and advanced recovery techniques. The last chapter of the book brings together the key 
topics in a history matching exercise that requires matching the production of wells and predicting 
the future production from those wells.

In short, the book has been updated to reflect current practices and technology and is more 
reader friendly, with introductions to vocabulary and concepts as well as examples using Microsoft 
Excel with VBA as the computational tool.

—Ronald E. Terry and J. Brandon Rogers

Preface
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xv

Shortly after undertaking the project of revising the text Applied Petroleum Reservoir Engineering 
by Ben Craft and Murray Hawkins, several colleagues expressed the wish that the revision retain 
the flavor and format of the original text. I am happy to say that I have attempted to do just that. 
The text contains many of the field examples that made the original text so popular and still more 
have been added. The revision includes a reorganization of the material as well as updated material 
in several chapters.

The chapters were reorganized to follow a sequence used in a typical undergraduate course in 
reservoir engineering. The first chapters contain an introduction to reservoir engineering, a review 
of fluid properties, and a derivation of the general material balance equation. The next chapters 
present information on applying the material balance equation to different reservoir types. The 
remaining chapters contain information on fluid flow in reservoirs and methods to predict hydro-
carbon recoveries as a function of time.

There were some problems in the original text with units. I have attempted to eliminate these 
problems by using a consistent definition of terms. For example, formation volume factor is ex-
pressed in reservoir volume/surface condition volume. A consistent set of units is used throughout 
the text. The units used are ones standardized by the Society of Petroleum Engineers.

I would like to express my sincere appreciation to all those who have in some part contrib-
uted to the text. For their encouragement and helpful suggestions, I give special thanks to the fol-
lowing colleagues: John Lee at Texas A&M; James Smith, formerly of Texas Tech; Don Green and 
Floyd Preston of the University of Kansas; and David Whitman and Jack Evers of the University 
of Wyoming.

—Ronald E. Terry

Preface to the Second Edition
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xix

Normal symbol Definition Units
A areal extent of reservoir or well acres or ft2

Ac cross-sectional area perpendicular to 
fluid flow

ft2

B′ water influx constant bbl/psia

Bgi initial gas formation volume factor ft3/SCF or bbl/SCF

Bga gas formation volume factor at 
abandonment pressure

ft3/SCF or bbl/SCF

BIg formation volume factor of injected gas ft3/SCF or bbl/SCF

Bo oil formation volume factor bbl/STB or ft3/STB

Bofb oil formation volume factor at bubble 
point from separator test

bbl/STB or ft3/STB

Boi oil formation volume factor at initial 
reservoir pressure

bbl/STB or ft3/STB

Bob oil formation volume factor at bubble 
point pressure

bbl/STB or ft3/STB

Bodb oil formation volume factor at bubble 
point from differential test

bbl/STB or ft3/STB

Bt two phase oil formation volume factor bbl/STB or ft3/STB

Bw water formation volume factor bbl/STB or ft3/STB

c isothermal compressibility psi– 1

CA reservoir shape factor unitless

cf formation isothermal compressibility psi– 1

cg gas isothermal compressibility psi– 1

co oil isothermal compressibility psi– 1

cr reduced isothermal compressibility fraction, unitless

ct total compressibility psi– 1

Nomenclature



xx Nomenclature

Normal symbol Definition Units
cti total compressibility at initial reservoir 

pressure
psi– 1

cw water isothermal compressibility psi– 1

E overall recovery efficiency fraction, unitless

Ed microscopic displacement efficiency fraction, unitless

Ei vertical displacement efficiency fraction, unitless

Eo expansion of oil (Havlena and Odeh 
method)

bbl/STB

Ef,w expansion of formation and water 
(Havlena and Odeh method)

bbl/STB

Eg expansion of gas (Havlena and Odeh 
method)

bbl/STB

Es areal displacement efficiency fraction, unitless

Ev macroscopic or volumetric displacement 
efficiency

fraction, unitless

fg gas cut of reservoir fluid flow fraction, unitless

fw watercut of reservoir fluid flow fraction, unitless

F net production from reservoir (Havlena 
and Odeh method)

bbl

Fk ratio of vertical to horizontal 
permeability

unitless

G initial reservoir gas volume SCF

Ga remaining gas volume at abandonment 
pressure

SCF

Gf volume of free gas in reservoir SCF

G1 volume of injected gas SCF

Gps gas from primary separator SCF

Gss gas from secondary separator SCF

Gst gas from stock tank SCF

GE gas equivalent of one STB of condensate 
liquid

SCF

GEw gas equivalent of one STB of produced 
water

SCF

GOR gas- oil ratio SCF/STB

h formation thickness ft
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Normal symbol Definition Units
I injectivity index STB/day- psi

J productivity index STB/day- psi

Js specific productivity index STB/day- psi- ft

Jsw productivity index for a standard well STB/day- psi

k permeability md

k′ water influx constant bbl/day- psia

kavg average permeability md

kg permeability to gas phase md

ko permeability to oil phase md

kw permeability to water phase md

krg relative permeability to gas phase fraction, unitless

kro relative permeability to oil phase fraction, unitless

krw relative permeability to water phase fraction, unitless

L length of linear flow region ft

m ratio of initial reservoir free gas volume 
to initial reservoir oil volume

ratio, unitless

m(p) real gas pseudopressure psia2/cp

m(pi) real gas pseudopressure at initial 
reservoir pressure

psia2/cp

m(pwf) real gas pseudopressure, flowing well psia2/cp

M mobility ratio ratio, unitless

Mw molecular weight lb/lb- mol

Mwo molecular weight of oil lb/lb- mol

n moles mol

N initial volume of oil in reservoir STB

Np cumulative produced oil STB

Nvc capillary number ratio, unitless

p pressure psia

pb pressure at bubble point psia

pc pressure at critical point psia

Pc capillary pressure psia



xxii Nomenclature

Normal symbol Definition Units
pD dimensionless pressure ratio, unitless

pe pressure at outer boundary psia

pi pressure at initial reservoir pressure psia

p1hr pressure at 1 hour from transient time 
period on semilog plot

psia

ppc pseudocritical pressure psia

ppr reduced pressure ratio, unitless

pR pressure at a reference point psia

psc pressure at standard conditions psia

pw pressure at wellbore radius psia

pwf pressure at wellbore for flowing well psia

 
pwf t( )∆ =0

pressure of flowing well just prior to 
shut a pressure build up test

psia

pws shut in pressure at wellbore psia

 p volumetric average reservoir pressure psia

 Δp change in volumetric average reservoir 
pressure

psia

q flow rate in standard conditions units bbl/day

q′t total flow rate in reservoir in reservoir 
volume units

bbl/day

r distance from center of well (radial 
dimension)

ft

rD dimensionless radius ratio, unitless

re distance from center of well to outer 
boundary

ft

rR distance from center of well to oil 
reservoir

ft

rw distance from center of wellbore ft

R instantaneous produced gas- oil ratio SCF/STB

R′ universal gas constant

Rp cumulative produced gas- oil ratio SCF/STB

Rso solution gas- oil ratio SCF/STB
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Normal symbol Definition Units
Rsob solution gas- oil ratio at bubble point 

pressure
SCF/STB

Rsod solution gas-oil ratio from differential 
liberation test

SCF/STB

Rsodb solution gas-oil ratio, sum of operator 
gas, and stock-tank gas from separator 
test

SCF/STB

Rsofb solution gas-oil ratio, sum of separator 
gas, and stock-tank gas from separator 
test

SCF/STB

Rsoi solution gas- oil ratio at initial reservoir 
pressure

SCF/STB

Rsw solution gas- water ratio for brine SCF/STB

Rswp solution gas- water ratio for deionized 
water

SCF/STB

R1 solution gas- oil ratio for liquid stream 
out of separator

SCF/STB

R3 solution gas- oil ratio for liquid stream 
out of stock tank

SCF/STB

RF recovery factor fraction, unitless

R.V. relative volume from a flash liberation 
test

ratio, unitless

S fluid saturation fraction, unitless

Sg gas saturation fraction, unitless

Sgr residual gas saturation fraction, unitless

SL total liquid saturation fraction, unitless

So oil saturation fraction, unitless

Sw water saturation fraction, unitless

Swi water saturation at initial reservoir 
conditions time

fraction, unitless

t time hour

Δt time of transient test hour

to dimensionless time ratio, unitless

tp time of constant rate production prior to 
well shut- in

hour



xxiv Nomenclature

Normal symbol Definition Units
tpss time to reach pseudosteady state flow 

region
hour

T temperature °F or °R

Tc temperature at critical point °F or °R

Tpc pseudocritical temperature °F or °R

Tpr reduced temperature fraction, unitless

Tppr pseudoreduced temperature fraction, unitless

Tsc temperature at standard conditions °F or °R

V volume ft3

Vb bulk volume of reservoir ft3 or acre- ft

Vp pore volume of reservoir ft3

Vr relative oil volume ft3

VR gas volume at some reference point ft3

W width of fracture ft

Wp water influx bbl

WeD dimensionless water influx ratio, unitless

Wei encroachable water in place at initial 
reservoir conditions

bbl

WI volume of injected water STB

Wp cumulative produced water STB

z gas deviation factor or gas 
compressibility factor

ratio, unitless

zi gas deviation factor at initial reservoir 
pressure

ratio, unitless

Greek symbol Definition Units
α 90°- dip angle degrees

φ porosity fraction, unitless

γ specific gravity ratio, unitless

γg gas specific gravity ratio, unitless

γo oil specific gravity ratio, unitless

γw well fluid specific gravity ratio, unitless



Nomenclature  xxv

Greek symbol Definition Units
γ′ fluid specific gravity (always relative to 

water)
ratio, unitless

γ
1

specific gravity of gas coming from 
separator

ratio, unitless

γ
3

specific gravity of gas coming from 
stock tank

ratio, unitless

η formation diffusivity ratio, unitless

λ mobility (ratio of permeability to 
viscosity)

ratio, unitless

λg mobility of gas phase md/cp

λo mobility of oil phase md/cp

λw mobility of water phase md/cp

μ viscosity cp

μg gas viscosity cp

μi viscosity at initial reservoir pressure cp

μo oil viscosity cp

μob oil viscosity at bubble point cp

μod dead oil viscosity cp

μw water viscosity cp

μw1 water viscosity at 14.7 psia and reservoir 
temperature

cp

μ1 viscosity at 14.7 psia and reservoir 
temperature

cp

ν apparent fluid velocity in reservoir bbl/day- ft2

νg apparent gas velocity in reservoir bbl/day- ft2

νt apparent total velocity in reservoir bbl/day- ft2

θ contact angle degrees

ρ density lb/ft3

ρg gas density lb/ft3

ρr reduced density ratio, unitless

ρo,API
oil density °API

σwo oil- brine interfacial tension dynes/cm
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1

Introduction to Petroleum Reservoirs 
and Reservoir Engineering

While the modern petroleum industry is commonly said to have started in 1859 with Col. Edwin 
A. Drake’s find in Titusville, Pennsylvania, recorded history indicates that the oil industry began 
at least 6000 years ago. The first oil products were used medicinally, as sealants, as mortar, as lu-
bricants, and for illumination. Drake’s find represented the beginning of the modern era; it was the 
first recorded commercial agreement to drill for the exclusive purpose of finding petroleum. While 
the well he drilled was not commercially successful, it did begin the petroleum era by leading to an 
intense interest in the commercial production of petroleum. The petroleum era had begun, and with 
it came the rise of petroleum geology and reservoir engineering.

1.1 Introduction to Petroleum Reservoirs
Oil and gas accumulations occur in underground traps formed by structural and/or stratigraphic fea-
tures.1* Figure 1.1 is a schematic representation of a stratigraphic trap. Fortunately, the hydrocarbon 
accumulations usually occur in the more porous and permeable portion of beds, which are mainly 
sands, sandstones, limestones, and dolomites; in the intergranular openings; or in pore spaces caused 
by joints, fractures, and solution activity. A reservoir is that portion of the trapped formation that con-
tains oil and/or gas as a single hydraulically connected system. In some cases the entire trap is filled 
with oil or gas, and in these instances the trap and the reservoir are the same. Often the hydrocarbon 
reservoir is hydraulically connected to a volume of water-bearing rock called an aquifer. Many res-
ervoirs are located in large sedimentary basins and share a common aquifer. When this occurs, the 
production of fluid from one reservoir will cause the pressure to decline in other reservoirs by fluid 
communication through the aquifer.

Hydrocarbon fluids are mixtures of molecules containing carbon and hydrogen. Under ini-
tial reservoir conditions, the hydrocarbon fluids are in either a single-phase or a two-phase state. 

* References throughout the text are given at the end of each chapter.

C h a p t e r  1



2	 Chapter	1	 •	 Introduction	to	Petroleum	Reservoirs	and	Reservoir	Engineering

A single-phase reservoir fluid may be in a liquid phase (oil) or a gas phase (natural gas). In either 
case, when produced to the surface, most hydrocarbon fluids will separate into gas and liquid 
phases. Gas produced at the surface from a fluid that is liquid in the reservoir is called dissolved 
gas. Therefore, a volume of reservoir oil will produce both oil and the associated dissolved gas at 
the surface, and both dissolved natural gas and crude oil volumes must be estimated. On the other 
hand, liquid produced at the surface from a fluid that is gas in the reservoir is called gas conden-
sate because the liquid condenses from the gas phase. An older name for gas condensate is gas 
distillate. In this case, a volume of reservoir gas will produce both natural gas and condensate at 
the surface, and both gas and condensate volumes must be estimated. Where the hydrocarbon accu-
mulation is in a two-phase state, the overlying vapor phase is called the gas cap and the underlying 
liquid phase is called the oil zone. There will be four types of hydrocarbon volumes to be estimated 
when this occurs: the free gas or associated gas, the dissolved gas, the oil in the oil zone, and the 
recoverable natural gas liquid (condensate) from the gas cap.

Although the hydrocarbons in place are fixed quantities, which are referred to as the re-
source, the reserves depend on the mechanisms by which the reservoir is produced. In the mid-
1930s, the American Petroleum Institute (API) created a definition for reserves. Over the next 
several decades, other institutions, including the American Gas Association (AGA), the Securities 
and Exchange Commissions (SEC), the Society of Petroleum Engineers (SPE), the World Petro-
leum Congress (now Council; WPC), and the Society of Petroleum Evaluation Engineers (SPEE), 
have all been part of creating formal definitions of reserves and other related terms. Recently, the 
SPE collaborated with the WPC, the American Association of Petroleum Geologists (AAPG), and 
the SPEE to publish the Petroleum Resources Management System (PRMS).2 Some of the defini-
tions used in the PRMS publication are presented in Table 1.1. The amounts of oil and gas in these 
definitions are calculated from available engineering and geologic data. The estimates are updated 
over the producing life of the reservoir as more data become available. The PRMS definitions are 
obviously fairly complicated and include many other factors that are not discussed in this text. For 
more detailed information regarding these definitions, the reader is encouraged to obtain a copy of 
the reference.

Gas

Oil

Water

Porous channel sandstone

Impermeable
shale

Figure 1.1 Schematic representation of a hydrocarbon deposit in a stratigraphic trap.



1.1 Introduction to Petroleum Reservoirs  3

Table 1.1 Definitions of Petroleum Terms from the Petroleum Resources Management System2

Petroleum is defined as a naturally occurring mixture consisting of hydrocarbons in the gaseous, liquid, or 
solid phase. Petroleum may also contain nonhydrocarbons, common examples of which are carbon dioxide, 
nitrogen, hydrogen sulfide, and sulfur. In rare cases, nonhydrocarbon content could be greater than 50%.

The term resources as used herein is intended to encompass all quantities of petroleum naturally oc-
curring on or within the Earth’s crust, discovered and undiscovered (recoverable and unrecoverable), plus 
those quantities already produced. Further, it includes all types of petroleum, whether currently considered  
“conventional” or “unconventional.”

Total petroleum initially-in-place is that quantity of petroleum that is estimated to exist original-
ly in naturally occurring accumulations. It includes that quantity of petroleum that is estimat-
ed, as of a given date, to be contained in known accumulations prior to production, plus those 
estimated quantities in accumulations yet to be discovered (equivalent to “total resources”).

Discovered petroleum initially-in-place is that quantity of petroleum that is estimated, as of a 
given date, to be contained in known accumulations prior to production.

Production is the cumulative quantity of petroleum that has been recovered at a given date. 
While all recoverable resources are estimated and production is measured in terms of the sales 
product specifications, raw production (sales plus nonsales) quantities are also measured and 
required to support engineering analyses based on reservoir voidage. Multiple development 
projects may be applied to each known accumulation, and each project will recover an esti-
mated portion of the initially-in-place quantities. The projects are subdivided into commercial 
and subcommercial, with the estimated recoverable quantities being classified as reserves and 
contingent resources, respectively, which are defined as follows.

Reserves are those quantities of petroleum anticipated to be commercially recoverable by ap-
plication of development projects to known accumulations from a given date forward under 
defined conditions. Reserves must further satisfy four criteria: they must be discovered, re-
coverable, commercial, and remaining (as of the evaluation date), based on the development 
project(s) applied. Reserves are further categorized in accordance with the level of certainty 
associated with the estimates and may be subclassified based on project maturity and/or char-
acterized by development and production status.

Contingent resources are those quantities of petroleum estimated, as of a given date, to be poten-
tially recoverable from known accumulations, but the applied project(s) are not yet considered 
mature enough for commercial development due to one or more contingencies. Contingent 
resources may include, for example, projects for which there are currently no viable markets, 
where commercial recovery is dependent on technology under development or where evalua-
tion of the accumulation is insufficient to clearly assess commerciality. Contingent resources 
are further categorized in accordance with the level of certainty associated with the estimates 
and may be subclassified based on project maturity and/or characterized by their economic 
status.

Undiscovered petroleum initially-in-place is that quantity of petroleum estimated, as of a given 
date, to be contained within accumulations yet to be discovered.

Prospective resources are those quantities of petroleum estimated, as of a given date, to be po-
tentially recoverable from undiscovered accumulations by application of future development 
projects. Prospective resources have both an associated chance of discovery and a chance of 
development. Prospective resources are further subdivided in accordance with the level of 
certainty associated with recoverable estimates, assuming their discovery and development 
and may be subclassified based on project maturity.

(continued)
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1.2 History of Reservoir Engineering
Crude oil, natural gas, and water are the substances that are of chief concern to petroleum engi-
neers. Although these substances can occur as solids or semisolids such as paraffin, asphaltine, 
or gas-hydrate, usually at lower temperatures and pressures, in the reservoir and in the wells, 
they occur mainly as fluids, either in the vapor (gaseous) or in the liquid phase or, quite common-
ly, both. Even where solid materials are used, as in drilling, cementing, and fracturing, they are 
handled as fluids or slurries. The separation of well or reservoir fluid into liquid and gas (vapor) 
phases depends mainly on temperature, pressure, and the fluid composition. The state or phase 
of a fluid in the reservoir usually changes with decreasing pressure as the reservoir fluid is being 
produced. The temperature in the reservoir stays relatively constant during the production. In 
many cases, the state or phase in the reservoir is quite unrelated to the state of the fluid when it 
is produced at the surface, due to changes in both pressure and temperature as the fluid rises to 
the surface. The precise knowledge of the behavior of crude oil, natural gas, and water, singly or 
in combination, under static conditions or in motion in the reservoir rock and in pipes and under 
changing temperature and pressure, is the main concern of reservoir engineers.

As early as 1928, reservoir engineers were giving serious consideration to gas-energy rela-
tionships and recognized the need for more precise information concerning physical conditions 
in wells and underground reservoirs. Early progress in oil recovery methods made it obvious that 
computations made from wellhead or surface data were generally misleading. Sclater and Ste-
phenson described the first recording bottom-hole pressure gauge and a mechanism for sampling 
fluids under pressure in wells.3 It is interesting that this reference defines bottom-hole data as 

Unrecoverable refers to the portion of discovered or undiscovered petroleum initially-in-place 
quantities that is estimated, as of a given date, not to be recoverable by future development 
projects. A portion of these quantities may become recoverable in the future as commercial 
circumstances change or technological developments occur; the remaining portion may never 
be recovered due to physical/chemical constraints represented by subsurface interaction of 
fluids and reservoir rocks.

Further, estimated ultimate recovery (EUR) is not a resources category but a term that may be applied to 
any accumulation or group of accumulations (discovered or undiscovered) to define those quantities of pe-
troleum estimated, as of a given date, to be potentially recoverable under defined technical and commercial 
conditions plus those quantities already produced (total of recoverable resources).

In specialized areas, such as basin potential studies, alternative terminology has been used; the total re-
sources may be referred to as total resource base or hydrocarbon endowment. Total recoverable or EUR may 
be termed basin potential. The sum of reserves, contingent resources, and prospective resources may be re-
ferred to as remaining recoverable resources. When such terms are used, it is important that each classification 
component of the summation also be provided. Moreover, these quantities should not be aggregated without 
due consideration of the varying degrees of technical and commercial risk involved with their classification.

Table 1.1  Definitions of Petroleum Terms from the Petroleum Resources Management System2 
(continued)
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measurements of pressure, temperature, gas-oil ratio, and the physical and chemical natures of the 
fluids. The need for accurate bottom-hole pressures was further emphasized when Millikan and 
Sidwell described the first precision pressure gauge and pointed out the fundamental importance of  
bottom-hole pressures to reservoir engineers in determining the most efficient oil recovery methods 
and lifting procedures.4 With this contribution, the engineer was able to measure the most import-
ant basic data for reservoir performance calculations: reservoir pressure.

The study of the properties of rocks and their relationship to the fluids they contain in both 
the static and flowing states is called petrophysics. Porosity, permeability, fluid saturations and 
distributions, electrical conductivity of both the rock and the fluids, pore structure, and radioactiv-
ity are some of the more important petrophysical properties of rocks. Fancher, Lewis, and Barnes 
made one of the earliest petrophysical studies of reservoir rocks in 1933, and in 1934, Wycoff, 
Botset, Muskat, and Reed developed a method for measuring the permeability of reservoir rock 
samples based on the fluid flow equation discovered by Darcy in 1856.5,6 Wycoff and Botset made 
a significant advance in their studies of the simultaneous flow of oil and water and of gas and water 
in unconsolidated sands.7 This work was later extended to consolidated sands and other rocks, and 
in 1940 Leverett and Lewis reported research on the three-phase flow of oil, gas, and water.8

It was recognized by the pioneers in reservoir engineering that before reservoir volumes of oil 
and gas in place could be calculated, the change in the physical properties of bottom-hole samples of 
the reservoir fluids with pressure would be required. Accordingly, in 1935, Schilthuis described a bot-
tom-hole sampler and a method of measuring the physical properties of the samples obtained.9 These 
measurements included the pressure-volume-temperature relations, the saturation or bubble-point 
pressure, the total quantity of gas dissolved in the oil, the quantities of gas liberated under various 
conditions of temperature and pressure, and the shrinkage of the oil resulting from the release of its 
dissolved gas from solution. These data enabled the development of certain useful equations, and they 
also provided an essential correction to the volumetric equation for calculating oil in place.

The next significant development was the recognition and measurement of connate water 
saturation, which was considered indigenous to the formation and remained to occupy a part of the 
pore space after oil or gas accumulation.10,11 This development further explained the poor oil and 
gas recoveries in low permeability sands with high connate water saturation and introduced the 
concept of water, oil, and gas saturations as percentages of the total pore space. The measurement 
of water saturation provided another important correction to the volumetric equation by consider-
ing the hydrocarbon pore space as a fraction of the total pore volume.

Although temperature and geothermal gradients had been of interest to geologists for many 
years, engineers could not make use of these important data until a precision subsurface record-
ing thermometer was developed. Millikan pointed out the significance of temperature data in 
applications to reservoir and well studies.12 From these basic data, Schilthuis was able to derive 
a useful equation, commonly called the Schilthuis material balance equation.13 A modification 
of an earlier equation presented by Coleman, Wilde, and Moore, the Schilthuis equation is one 
of the most important tools of reservoir engineers.14 It is a statement of the conservation of mat-
ter and is a method of accounting for the volumes and quantities of fluids initially present in, 
produced from, injected into, and remaining in a reservoir at any stage of depletion. Odeh and 
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Havlena have shown how the material balance equation can be arranged into a form of a straight 
line and solved.15

When production of oil or gas underlain by a much larger aquifer volume causes the 
water in the aquifer to rise or encroach into the hydrocarbon reservoir, the reservoir is said to 
be under water drive. In reservoirs under water drive, the volume of water encroaching into 
the reservoir is also included mathematically in the material balance on the fluids. Although 
Schilthuis proposed a method of calculating water encroachment using the material-balance 
equation, it remained for Hurst and, later, van Everdingen and Hurst to develop methods for 
calculating water encroachment independent of the material balance equation, which apply to 
aquifers of either limited or infinite extent, in either steady-state or unsteady-state flow.13,16,17 
The calculations of van Everdingen and Hurst have been simplified by Fetkovich.18 Following 
these developments for calculating the quantities of oil and gas initially in place or at any stage 
of depletion, Tarner and Buckley and Leverett laid the basis for calculating the oil recovery 
to be expected for particular rock and fluid characteristics.19,20 Tarner and, later, Muskat21 pre-
sented methods for calculating recovery by the internal or solution gas drive mechanism, and 
Buckley and Leverett20 presented methods for calculating the displacement of oil by external 
gas cap drive and water drive. These methods not only provided means for estimating recov-
eries for economic studies; they also explained the cause for disappointingly low recoveries in 
many fields. This discovery in turn pointed the way to improved recoveries by taking advan-
tage of the natural forces and energies, by supplying supplemental energy by gas and water 
injection, and by unitizing reservoirs to offset the losses that may be caused by competitive 
operations.

During the 1960s, the terms reservoir simulation and reservoir mathematical modeling be-
came popular.22–24 These terms are synonymous and refer to the ability to use mathematical for-
mulas to predict the performance of an oil or gas reservoir. Reservoir simulation was aided by the 
development of large-scale, high-speed digital computers. Sophisticated numerical methods were 
also developed to allow the solution of a large number of equations by finite-difference or finite- 
element techniques.

With the development of these techniques, concepts, and equations, reservoir engineering 
became a powerful and well-defined branch of petroleum engineering. Reservoir engineering may 
be defined as the application of scientific principles to the drainage problems arising during the 
development and production of oil and gas reservoirs. It has also been defined as “the art of devel-
oping and producing oil and gas fluids in such a manner as to obtain a high economic recovery.”25 
The working tools of the reservoir engineer are subsurface geology, applied mathematics, and the 
basic laws of physics and chemistry governing the behavior of liquid and vapor phases of crude 
oil, natural gas, and water in reservoir rocks. Because reservoir engineering is the science of pro-
ducing oil and gas, it includes a study of all the factors affecting their recovery. Clark and Wessely 
urged a joint application of geological and engineering data to arrive at sound field development 
programs.26 Ultimately, reservoir engineering concerns all petroleum engineers, from the drilling 
engineer who is planning the mud program, to the corrosion engineer who must design the tubing 
string for the producing life of the well.



1.3 Introduction to Terminology  7

1.3 Introduction to Terminology
The purpose of this section is to provide an explanation to the reader of the terminology that will be 
used throughout the book by providing context for the terms and explaining the interaction of the 
terms. Before defining these terms, note Fig. 1.2, which illustrates a cross section of a producing 
petroleum reservoir.

A reservoir is not an open underground cavern full of oil and gas. Rather, it is section of 
porous rock (beneath an impervious layer of rock) that has collected high concentrations of oil and 
gas in the minute void spaces that weave through the rock. That oil and gas, along with some water, 
are trapped beneath the impervious rock. The term porosity (φ) is a measure, expressed in percent, 
of the void space in the rock that is filled with the reservoir fluid.

Reservoir fluids are segregated into phases according to the density of the fluid. Oil specific 
gravity (γo) is the ratio of the density of oil to the density of water, and gas specific gravity (γg) is 
the ratio of the density of natural gas to the density of air. As the density of gas is less than that 
of oil and both are less than water, gas rests at the top of the reservoir, followed by oil and finally 
water. Usually the interface between two reservoir fluid phases is horizontal and is called a contact. 
Between gas and oil is a gas-oil contact, between oil and water is an oil-water contact, and between 
gas and water is a gas-water contact if no oil phase is present. A small volume of water called con-
nate (or interstitial) water remains in the oil and gas zones of the reservoir.

Natural gasDrilling rig

Earth’s
crust

Shale

Impervious
rock

Impervious
rock

Petroleum

Water

Figure 1.2 Diagram to show the occurrence of petroleum under the Earth’s surface.
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The initial amount of fluid in a reservoir is extremely important. In practice, the symbol N 
(coming from the Greek word naptha) represents the initial volume of oil in the reservoir expressed 
as a standard surface volume, such as the stock-tank barrel (STB). G and W are initial reservoir 
gas and water, respectively. As these fluids are produced, the subscript p is added to indicate the 
cumulative oil (Np), gas (Gp), or water (Wp) produced.

The total reservoir volume is fixed and dependent on the rock formations of the area. As reser-
voir fluid is produced and the reservoir pressure drops, both the rock and the fluid remaining in the 
reservoir expand. If 10% of the fluid is produced, the remaining 90% in the reservoir must expand 
to fill the entire reservoir void space. When the hydrocarbon reservoir is in contact with an aquifer, 
both the hydrocarbon fluids and the water in the aquifer expand as hydrocarbons are produced, and 
water entering the hydrocarbon space can replace the volume of produced hydrocarbons.

To account for all the reservoir fluid as pressure changes, a volume factor (B) is used. The 
volume factor is a ratio of the volume of the fluid at reservoir conditions to its volume at atmospher-
ic conditions (usually 60°F and 14.7 psi). Oil volume at these atmospheric conditions is measured 
in STBs (one barrel is equal to 42 gallons). Produced gases are measured in standard cubic feet 
(SCF). An M (1000) or MM (1 million) or MMM (1 billion) is frequently placed before the units 
SCF. As long as only liquid phases are in the reservoir, the oil and water volume factors (Bo and 
Bw) will begin at the initial oil volume factors (Boi and Bwi) and then steadily increase very slightly 
(by 1%–5%). Once the saturation pressure is reached and gas starts evolving from solution, the oil 
volume factor will decrease. Gas (Bg) volume factors will increase considerably (10-fold or more) 
as the reservoir pressure drops. The change in volume factor for a measured change in the reservoir 
pressure allows for simple estimation of the initial gas or oil volume.

When the well fluid reaches the surface, it is separated into gas and oil. Figure 1.3 shows a 
two-stage separation system with a primary separator and a stock tank. The well fluid is introduced 
into the primary separator where most of the produced gas is obtained. The liquid from the primary 
separator is then flashed into the stock tank. The liquid accumulated in the stock tank is Np , and any 
gas from the stock tank is added to the primary gas to arrive at the total produced surface gas, Gp. 
At this point, the produced amounts of oil and gas are measured, samples are taken, and these data 
are used to evaluate and forecast the performance of the well.

Primary
separator

Well
fluid

G
ps Gst

Gp

Np

Stock
tank

Figure 1.3 Schematic representation of produced well fluid and a surface separator system.
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1.4	 Reservoir	Types	Defined	with	Reference	to	Phase	Diagrams
From a technical point of view, the various types of reservoirs can be defined by the location of the 
initial reservoir temperature and pressure with respect to the two-phase (gas and liquid) envelope as 
commonly shown on pressure-temperature (PT) phase diagrams. Figure 1.4 is the PT phase diagram 
for a particular reservoir fluid. The area enclosed by the bubble-point and dew-point curves represents 
pressure and temperature combinations for which both gas and liquid phases exist. The curves within 
the two-phase envelope show the percentage of the total hydrocarbon volume that is liquid for any 
temperature and pressure. At pressure and temperature points located above the bubble-point curve, 
the hydrocarbon mixture will be a liquid phase. At pressure and temperature points located above or 
to the right of the dew-point curve, the hydrocarbon mixture will be a gas phase. The critical point, 
where bubble-point, dew-point, and constant quality curves meet, represents a mathematical discon-
tinuity, and phase behavior near this point is difficult to define. Initially, each hydrocarbon accumu-
lation will have its own phase diagram, which depends only on the composition of the accumulation.

Consider a reservoir containing the fluid of Fig. 1.4 initially at 300°F and 3700 psia, point A. 
Since this point lies outside the two-phase region and to the right of the critical point, the fluid is orig-
inally in a one-phase gas state. Since the fluid remaining in the reservoir during production remains 
at 300°F, it is evident that it will remain in the single-phase or gaseous state as the pressure declines 
along path AA1.  Furthermore, the composition of the produced well fluids will not change as the 
reservoir is depleted. This is true for any accumulation with this hydrocarbon composition where the 
reservoir temperature exceeds the cricondentherm, or maximum two-phase temperature (250°F for 
the present example). Although the fluid left in the reservoir remains in one phase, the fluid produced 
through the wellbore and into surface separators, although the same composition, may enter the two-
phase region owing to the temperature decline, as along line AA2 .  This accounts for the production 
of condensate liquid at the surface from a single-phase gas phase in the reservoir. Of course, if the 
cricondentherm of a fluid is below approximately 50°F, then only gas will exist on the surface at usu-
al ambient temperatures, and the production will be called dry gas. Nevertheless, even dry gas may 
contain valuable liquid fractions that can be removed by low-temperature separation.

Next, consider a reservoir containing the same fluid of Fig. 1.4 but at a temperature of 
180°F and an initial pressure of 3300 psia, point B. Here the fluid is also initially in the one-
phase gas state, because the reservoir temperature exceeds the critical-point temperature. As 
pressure declines due to production, the composition of the produced fluid will be the same as 
reservoir A and will remain constant until the dew-point pressure is reached at 2700 psia, point 
B

1
. Below this pressure, a liquid condenses out of the reservoir fluid as a fog or dew. This type 

of reservoir is commonly called a dew-point or a gas-condensate reservoir. This condensation 
leaves the gas phase with a lower liquid content. The condensed liquid remains immobile at low 
concentrations. Thus the gas produced at the surface will have a lower liquid content, and the 
producing gas-oil ratio therefore rises. This process of retrograde condensation continues until a 
point of maximum liquid volume is reached, 10% at 2250 psia, point B

2
. The term retrograde is 

used because generally vaporization, rather than condensation, occurs during isothermal expan-
sion. After the dew point is reached, because the composition of the produced fluid changes, the 
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composition of the remaining reservoir fluid also changes, and the phase envelope begins to shift. 
The phase diagram of Fig. 1.4 represents one and only one hydrocarbon mixture. Unfortunately, 
this shift is toward the right and further aggravates the retrograde liquid loss within the pores of 
the reservoir rock.

Neglecting for the moment this shift in the phase diagram, for qualitative purposes, vaporiza-
tion of the retrograde liquid occurs from B

2
 to the abandonment pressure B

3
. This revaporization aids 

liquid recovery and may be evidenced by decreasing gas-oil ratios on the surface. The overall retro-
grade loss will evidently be greater (1) for lower reservoir temperatures, (2) for higher abandonment 
pressures, and (3) for greater shift of the phase diagram to the right—the latter being a property of 
the hydrocarbon system. The retrograde liquid in the reservoir at any time is composed of mostly 
methane and ethane by volume, and so it is much larger than the volume of stable liquid that could be 
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Figure 1.4 Pressure-temperature phase diagram of a reservoir fluid.
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obtained from it at atmospheric temperature and pressure. The composition of this retrograde liquid 
is changing as pressure declines so that 4% retrograde liquid volume at, for example, 750 psia might 
contain as much surface condensate as 6% retrograde liquid volume at 2250 psia.

If the initial reservoir fluid composition is found at 2900 psia and 75°F, point C, the reservoir 
would be in a one-phase state, now called liquid, because the temperature is below the critical-point 
temperature. This is called a bubble-point (or black-oil or solution-gas) reservoir. As pressure de-
clines during production, the bubble-point pressure will be reached, in this case at 2550 psia, point 
C

1
. Below this pressure, bubbles, or a free-gas phase, will appear. When the free gas saturation is 

sufficiently large, gas flows to the wellbore in ever increasing quantities. Because surface facilities 
limit the gas production rate, the oil flow rate declines, and when the oil rate is no longer economic, 
much unrecovered oil remains in the reservoir.

Finally, if the initial hydrocarbon mixture occurred at 2000 psia and 150°F, point D, it 
would be a two-phase reservoir, consisting of a liquid or oil zone overlain by a gas zone or cap. 
Because the composition of the gas and oil zones are entirely different from each other, they 
may be represented separately by individual phase diagrams that bear little relation to each 
other or to the composite. The liquid or oil zone will be at its bubble point and will be produced 
as a bubble-point reservoir modified by the presence of the gas cap. The gas cap will be at the 
dew point and may be either retrograde, as shown in Fig. 1.5(a), or nonretrograde, as shown in 
Fig. 1.5(b).

From this technical point of view, hydrocarbon reservoirs are initially either in a single-phase 
state (A, B, or C) or in a two-phase state (D), depending on their temperatures and pressures relative 
to their phase envelopes. Table 1.2 depicts a summary of these four types. These reservoir types are 
discussed in detail in Chapters 4, 5, 6, and 7, respectively.
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Figure 1.5  Phase diagrams of a cap gas and oil zone fluid showing (a) retrograde cap gas and  
(b) nonretrograde cap gas.
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Table 1.3 presents the mole compositions and some additional properties of five single-phase 
reservoir fluids. The volatile oil is intermediate between the gas condensate and the black, or heavy, 
oil types. Production with gas-oil ratios greater than 100,000 SCF/STB is commonly called lean 
or dry gas, although there is no generally recognized dividing line between the two categories. In 
some legal work, statutory gas wells are those with gas-oil ratios in excess of 100,000 SCF/STB. 
The term wet gas is sometimes used interchangeably with gas condensate. In the gas-oil ratios, 
general trends are noticeable in the methane and heptanes-plus content of the fluids and the color of 
the tank liquids. Although there is good correlation between the molecular weight of the heptanes 
plus and the gravity of the stock-tank liquid, there is virtually no correlation between the gas-oil 
ratios and the gravities of the stock-tank liquids, except that most black oil reservoirs have gas-oil 
ratios below 1000 SCF/STB and stock-tank liquid gravities below 45 °API. The gas-oil ratios are 
a good indication of the overall composition of the fluid, high gas-oil ratios being associated with 
low concentrations of pentanes and heavier and vice versa.

The gas-oil ratios given in Table 1.3 are for the initial production of the one-phase reservoir 
fluids producing through one or more surface separators operating at various temperatures and 
pressures, which may vary considerably among the several types of production. The gas-oil ratios 
and consequently the API gravity of the produced liquid vary with the number, pressures, and tem-
peratures of the separators so that one operator may report a somewhat different gas-oil ratio from 
another, although both produce the same reservoir fluid. Also, as pressure declines in the black oil, 
volatile oil, and some gas-condensate reservoirs, there is generally a considerable increase in the 
gas-oil ratio owing to the reservoir mechanisms that control the relative flow of oil and gas to the 
wellbores. The separator efficiencies also generally decline as flowing wellhead pressures decline, 
which also contributes to increased gas-oil ratios.

What has been said previously applies to reservoirs initially in a single phase. The initial gas-
oil ratio of production from wells completed either in the gas cap or in the oil zone of two-phase 
reservoirs depends, as discussed previously, on the compositions of the gas cap hydrocarbons and 
the oil zone hydrocarbons, as well as the reservoir temperature and pressure. The gas cap may con-
tain gas condensate or dry gas, whereas the oil zone may contain black oil or volatile oil. Naturally, 

Table 1.2 Summary of Reservoir Types
Type A single 

phase gas
Type B gas 
condensate

Type C under-
saturated oil

Type D saturated 
oil

Typical primary 
recovery 
mechanism

Volumetric gas 
drive

Volumetric gas 
drive

Depletion drive, 
water drive

Volumetric gas drive, 
depletion drive, 

water drive

Initial reservoir 
conditions

Single phase: Gas Single phase: Gas Single phase: Oil Two phase:  
Oil and gas

Reservoir behavior 
as pressure declines

Reservoir fluid 
remains as gas.

Liquid condenses 
in the reservoir.

Gas vaporizes in 
reservoir.

Saturated oil releases 
additional gas.

Produced 
hydrocarbons

Primarily gas Gas and 
condensate

Oil and gas Oil and gas
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if a well is completed in both the gas and oil zones, the production will be a mixture of the two. 
Sometimes this is unavoidable, as when the gas and oil zones (columns) are only a few feet in 
thickness. Even when a well is completed in the oil zone only, the downward coning of gas from 
the overlying gas cap may occur to increase the gas-oil ratio of the production.

1.5 Production from Petroleum Reservoirs
Production from petroleum reservoirs is a replacement process. This means that when hydrocarbon 
is produced from a reservoir, the space that it occupied must be replaced with something. That 
something could be the swelling of the remaining hydrocarbon due to a drop in reservoir pressure, 
the encroachment of water from a neighboring aquifer, or the expansion of formation.

The initial production of hydrocarbons from an underground reservoir is accomplished by 
the use of natural reservoir energy.27 This type of production is termed primary production. Sources 
of natural reservoir energy that lead to primary production include the swelling of reservoir fluids, 
the release of solution gas as the reservoir pressure declines, nearby communicating aquifers, grav-
ity drainage, and formation expansion. When there is no communicating aquifer, the hydrocarbon 
recovery is brought about mainly by the swelling or expansion of reservoir fluids as the pressure in 
the formation drops. However, in the case of oil, it may be materially aided by gravitational drain-
age. When there is water influx from the aquifer and the reservoir pressure remains near the initial 
reservoir pressure, recovery is accomplished by a displacement mechanism, which again may be 
aided by gravitational drainage.

Table 1.3 Mole Composition and Other Properties of Typical Single- Phase Reservoir Fluids
Component Black oil Volatile oil Gas condensate Dry gas Wet gas
C

1
48.83 64.36 87.07 95.85 86.67

C
2

2.75 7.52 4.39 2.67 7.77

C
3

1.93 4.74 2.29 0.34 2.95

C
4

1.60 4.12 1.74 0.52 1.73

C
5

1.15 2.97 0.83 0.08 0.88

C
6

1.59 1.38 0.60 0.12

C
7
+ 42.15 14.91 3.80 0.42

Total 100.00 100.00 100.00 100.00 100.00

Mol. wt. C
7
+ 225 181 112 157

GOR, SCF/
STB

625 2000 18,200 105,000 Infinite

Tank gravity, 
°API

34.3 50.1 60.8 54.7

Liquid color Greenish 
black

Medium orange Light straw Water white
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When the natural reservoir energy has been depleted, it becomes necessary to augment the nat-
ural energy with an external source. This is usually accomplished by the injection of gas (reinjected 
solution gas, carbon dioxide, or nitrogen) and/or water. The use of an injection scheme is called a 
secondary recovery operation. When water injection is the secondary recovery process, the process is 
referred to as waterflooding. The main purpose of either a natural gas or water injection process is to 
repressurize the reservoir and then maintain the reservoir at a high pressure. Hence the term pressure 
maintenance is sometimes used to describe a secondary recovery process. Often injected fluids also 
displace oil toward production wells, thus providing an additional recovery mechanism.

When gas is used as the pressure maintenance agent, it is usually injected into a zone of free 
gas (i.e., a gas cap) to maximize recovery by gravity drainage. The injected gas is usually produced 
natural gas from the reservoir in question. This, of course, defers the sale of that gas until the second-
ary operation is completed and the gas can be recovered by depletion. Other gases, such as nitrogen, 
can be injected to maintain reservoir pressure. This allows the natural gas to be sold as it is produced.

Waterflooding recovers oil by the water moving through the reservoir as a bank of fluid and 
“pushing” oil ahead of it. The recovery efficiency of a waterflood is largely a function of the mac-
roscopic sweep efficiency of the flood and the microscopic pore scale displacement behavior that 
is largely governed by the ratio of the oil and water viscosities. These concepts will be discussed in 
detail in Chapters 9, 10, and 11.

In many reservoirs, several recovery mechanisms may be operating simultaneously, but gen-
erally one or two predominate. During the producing life of a reservoir, the predominance may shift 
from one mechanism to another either naturally or because of operations planned by engineers. For 
example, initial production in a volumetric reservoir may occur through the mechanism of fluid ex-
pansion. When its pressure is largely depleted, the dominant mechanism may change to gravitational 
drainage, the fluid being lifted to the surface by pumps. Still later, water may be injected in some 
wells to drive additional oil to other wells. In this case, the cycle of the mechanisms is expansion, 
gravitational drainage, displacement. There are many alternatives in these cycles, and it is the object 
of the reservoir engineer to plan these cycles for maximum recovery, usually in minimum time.

Other displacement processes called tertiary recovery processes have been developed for 
application in situations in which secondary processes have become ineffective. However, the same 
processes have also been considered for reservoir applications when secondary recovery techniques 
are not used because of low recovery potential. In this latter case, the word tertiary is a misnomer. 
For most reservoirs, it is advantageous to begin a secondary or a tertiary process before primary 
production is completed. For these reservoirs, the term enhanced oil recovery was introduced and 
has become popular in reference to any recovery process that, in general, improves the recovery 
over what the natural reservoir energy would be expected to yield. Enhanced oil recovery processes 
are presented in detail in Chapter 11.

1.6 Peak Oil
Since oil is a finite resource in any given reservoir, it would make sense that, as soon as oil produc-
tion from the first well begins in a particular reservoir, the resource of that reservoir is declining. 
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As a reservoir is developed (i.e., more and more wells are brought into production), the total pro-
duction from the reservoir will increase. Once all the wells that are going to be drilled for a given 
reservoir have been brought into production, the total production will begin to decline. M. King 
Hubbert took this concept and developed the term peak oil to describe not the decline of oil pro-
duction but the point at which a reservoir reaches a maximum oil production rate. Hubbert said this 
would occur at the midpoint of reservoir depletion or when one-half of the initial hydrocarbon in 
place had been produced.28 Hubbert developed a mathematical model and from the model predicted 
that the United States would reach peak oil production sometime around the year 1965.28 A sche-
matic of Hubbert’s prediction is shown in Fig. 1.6.

Figure 1.7 contains a plot of the Hubbert curve and the cumulative oil production from all 
US reservoirs. It would appear that Hubbert was fairly accurate with his model but a little off on 
the timing. However, the Hubbert timing looks more accurate when production from the Alaskan 
North Slope is omitted.

There are many factors that go into building such a model. These factors include proven re-
serves, oil price, continuing exploration, continuing demand on oil resources, and so on. Many of 
these factors carry with them debates concerning future predictions. As a result, an argument over 
the concept of peak oil has developed over the years. It is not the purpose of this text to discuss this 
argument in detail but simply to point out some of the projections and suggest that the reader go to 
the literature for further information.
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Hubbert predicted the total world crude oil production would reach the peak around the year 
2000. Figure 1.8 is a plot of the daily world crude oil production as a function of year. As one can 
see, the peak has not been reached—in fact, the production is continuing to increase. Part of the 
discrepancy with Hubbert’s prediction has to do with the increasing amount of world reserves, as 
shown in Fig. 1.9. Obviously, as the world’s reserves increase, the time to reach Hubbert’s peak 
will shift. Just as there are several factors that affect the time of peak oil, the definition of reserves 
has several contributing factors, as discussed earlier in this chapter. This point was illustrated in a 
recent prediction by the International Energy Agency (IEA) regarding the oil and gas production 
of the United States.29

In a recent report put out by the IEA, personnel predicted that the United States will become the 
world’s top oil producer in a few years.29 This is in stark contrast to what they had been predicting for 
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years. The report states the following: “The recent rebound in US oil and gas production, driven by 
upstream technologies that are unlocking light tight oil and shale gas resources, is spurring economic 
activity… and steadily changing the role of North America in global energy trade.”29

The upstream technologies that are referenced in the quote are the increased use of hydraulic 
fracturing and horizontal drilling techniques. These technologies are a large reason for the increase 
in US reserves from 22.3 billion barrels at the end of 2009 to 25.2 at the end of 2010, while pro-
ducing nearly 2 billion barrels in 2010.

Hydraulic fracturing or fracking refers to the process of injecting a high-pressure fluid into a 
well in order to fracture the reservoir formation to release oil and natural gas. This method makes 
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it possible to recover fuels from geologic formations that have poor flow rates. Fracking helps 
reinvigorate wells that otherwise would have been very costly to produce. Fracking has raised 
major environmental concerns, and the reservoir engineer should research this process before rec-
ommending its use.

The use of horizontal drilling has been in existence since the 1920s but only relatively re-
cently (1980s) reached a point where it could be used on a widespread scale. Horizontal drilling 
is extremely effective for recovering oil and natural gas that occupy horizontal strata, because this 
method offers more contact area with the oil and gas than a normal vertical well. There are endless 
possibilities to the uses of this method in hydrocarbon recovery, making it possible to drill in places 
that are either literally impossible or much too expensive to do with traditional vertical drilling. 
These include hard-to-reach places like difficult mountain terrain or offshore areas.

Hubbert’s theory of peak oil is reasonable; however, his predictions have not been accurate 
due to increases in known reserves and in the development of technologies to extract the petroleum 
hydrocarbons economically. Reservoir engineering is the formulation of a plan to develop a partic-
ular reservoir to balance the ultimate recovery with production economics. The remainder of this 
text will provide the engineer with information to assist in the development of that plan.

Problems
1.1 Conduct a search on the web and identify the world’s resources and reserves of oil and gas. 

Which countries possess the largest amount of reserves?

1.2 What are the issues involved in a country’s definition of reserves? Write a short report that 
discusses the issues and how a country might be affected by the issues.

1.3 What are the issues behind the peak oil argument? Write a short report that contains a de-
scription of both sides of the argument.

1.4 The use of hydraulic fracturing has increased the production of oil and gas from tight sands, 
but it also has become a debatable topic. What are the issues that are involved in the debate? 
Write a short report that contains a description of both sides of the argument.

1.5 The continued development of horizontal drilling techniques has increased the production of 
oil and gas from certain reservoirs. Conduct a search on the web for applications of horizon-
tal drilling. Identify three reservoirs in which this technique has increased the production of 
hydrocarbons and discuss the increase in both costs and production.
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